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Shales have complex microscopic pore structures which significantly affect shale gas production. Effects
of microscopic pore structure on flow regimes have been widely investigated. The pressure dependent
permeability in shales has been also observed in laboratory and it may cause more significant variation in
apparent permeability than flow regimes does. Therefore, numerical models combining flow regimes and
pressure dependent permeability are required to describe the gas flow behaviour in shales. In this study,
based on literature experimental observations, a numerical simulation model for shale gas transport was
built. The model includes the main gas flow characteristics in shale: (1) sequential flow process of
different flow regimes for different pores; (2) variation of apparent permeability resulted from both flow
regimes and stress variation in shale; (3) permeability change with respect to strain. Nine sets of liter-
ature experimental data were used to verify this numerical simulation model, which was shown to be
able to accurately describe the data. Using this numerical simulation model, shale gas flow behaviour
was analysed and the following conclusions were found: (1) the effect of shale deformation on gas
production is significant. Compared with other factors, it is a considerably important factor controlling
the apparent permeability evolution during shale reservoir depletion; (2) natural fracture plays a sig-
nificant role in gas transport inside reservoirs. Although its porosity is much less than those of other
pores, it could obviously enhance shale gas recovery rate because of its higher permeability; (3) natural
fracture permeability, natural fracture porosity, inorganic pores permeability and Young's modulus have
positive correlations with shale gas recovery rate. However, the percentage of adsorbed gas has a
negative correlation with shale gas recovery rate.

© 2015 Elsevier B.V. All rights reserved.
1. Introduction

The production behaviour of shale gas may have an inherent
link with its diversity of minerals and the complexity in micro-
scopic structure. Shales normally contain quartz, clays, carbonates,
and organic material (e.g. kerogen) (Wang and Reed, 2009;
Sondergeld et al., 2010). They are also consisted of pores with a
wide range of sizes (Nelson, 2009; Loucks et al., 2012). Character-
istics of shalesmake the gas storage and flow in shale different from
other porous media. For instance, majority of methane stores as
adsorbed phase in coals, while both free gas and adsorbed gas have
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considerable amount in shales (Curtis, 2002; Olsen et al., 2003). In
laboratory, a huge difference in methane release behaviours be-
tween shales and coals was observed (Javadpour et al., 2007).

In shale-gas systems, the microscopic pore structure contains
matrix-related pores and natural fractures. The matrix-related
pores are composed of nanometre-to micrometre-size pores. The
natural fracture connects to hydraulic fractures and its network
plays an important role in shale gas production (Gale et al., 2007).
The uniquemicroscopic structure of shales affects gas production in
two main aspects. First, the process of gas release from shales ex-
periences several flow regimes due to its complex network of flow
path in shales. The flow regimes for different size pores could be
significantly different. To classify them, the Knudsen number, the
ratio of the mean-free-path of gas to the pore diameter is used to
distinguish these regimes from the free-molecule flow to the
f shale gas transport under the influence of fully coupled multiple
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continuum flow (Roy et al., 2003). Secondly, pores in shales would
experience complex geomechanical deformations during shale gas
depletion. The geomechanical deformations significantly affect
apertures of flow paths which determine permeability. Therefore,
an effective numerical simulation model should contain all these
effects of microscopic structure on shale gas production.

To involve deviation of gas flow regimes, many numerical
simulation models for gas transport in shales have been proposed
and Knudsen number is widely used to differentiate the flow re-
gions in shales (e.g., Civan et al., 2011; Javadpour, 2009; Ye et al.,
2015). Non-Darcy equations for gas flow, which include Knudsen
diffusion and slip flow, have also been proposed and studied (e.g.,
Guo et al., 2015; Javadpour, 2009; Moghadam and Chalaturnyk,
2014). However, flows in different regions are not only different
but also interacting with each other. Early work considering in-
teractions between different flow paths is dual-porosity model for
porous media proposed by Warren and Root (1963). Such dual-
porosity approach has been adopted to describe flow in shales
(Carlson and Mercer, 1991). Nevertheless, dual-porosity models
treat the fluid in matrix as a source of the flow in fractures and
ignore fluid flow in matrix. Other work tried to account for flows in
different flow paths. For instance, multi-continua at the naturally
fractured reservoirs was developed and applied (Bear and Bachmat,
1990). For shale reservoirs where gas flows in both matrix pores
and fracture system, a multi-scale model combining dual-porosity
concept and multi-continua theory for gas transport in shales has
been proposed (Kang et al., 2011; Akkutlu and Fathi, 2012). The
advantage of these models is that interactions between different
flow paths can be mathematically described. Other method to
include interactions between different flow regions is the multiple
interacting continua (MINC) method (Pruess, 1985). In the MINC
method, each matrix block is subdivided into several nested “sub-
cells” and interactions in matrix blocks are defined by connecting
factors between these sub-cells. Rubin (2010) used this method to
investigate shale gas production. This method was improved by
determining inter-cell connecting factors (Ding et al., 2014). To
account for effect of microscopic structure on gas flow, the apparent
permeability (kapp) is applied in all studies mentioned above.
However, they only focused on the correlation coefficient (kg) be-
tween kapp and intrinsic permeability (k∞), which is assumed to be
constant. Nevertheless, it is not appropriate to assume constant
intrinsic permeability because the intrinsic permeability signifi-
cantly changes during shale gas depletion.

The intrinsic permeability has a close relationship with diam-
eter of pores and porosity of rocks (e.g., Nelson, 2009; Cho et al.,
2013). During shale gas depletion, the geomechanical deforma-
tion of shales can dramatically affect porosity so the intrinsic
permeability is often observed as pressure dependent. The pressure
and field production data demonstrated evidence of pressure
dependent permeability in Horn River and Haynesville shales (Vera
and Ehlig-Economides, 2013). Laboratory measurements also
showed that intrinsic permeability decreases with effective stress
(Dong et al., 2010; Tinni et al., 2012; Heller et al., 2014; Wang et al.,
2014; Ghanizadeh et al., 2015). Comparisons between Klinkenberg
effect and effective stress effect on permeability of shales were
investigated in laboratory as well. When pore pressure exceeds 500
psi (around 3.5 MPa), the Klinkenberg effect would not significantly
affect permeability (Wang and Reed, 2009). Effective stress, ranging
from 0 MPa to 100 MPa, always significantly affects shale perme-
ability (Dong et al., 2010;Wang et al., 2014). To account for the large
change in intrinsic permeability during gas production, numerical
simulations require an intrinsic permeability model.

Currently, great efforts have been made to model intrinsic
permeability of porous media. It has been pointed out that the
change of intrinsic permeability has an exponential relationship
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with effective stress (Rutqvist et al., 2002) or the strain of porous
media (Minkoff et al., 2003). Mechanical conditions in the field are
usually assumed as uniaxial strain and constant overburden (e.g.,
Shi and Durucan, 2005). Under this condition, intrinsic perme-
ability has a relationship with pore pressure (Raghavan and Chin,
2002). In order to incorporate the effect of methane adsorption
into intrinsic permeability models for coal reservoirs, many models
with stress-based and strain-based forms have been proposed ac-
cording to the field conditions (e.g. Gray, 1987; Palmer and
Mansoori, 1996; Shi and Durucan, 2005). To overcome their limits
resulted from assumption of mechanical conditions, an improved
permeability model was proposed by Palmer et al. (2007) and a
model derived from poroelastic theory was proposed by Zhang
et al. (2008). These models were valid for a single porosity me-
dium. Shale contains several pore structures and is not a single
porosity medium. Therefore, it is not applicable to use thesemodels
to describe the intrinsic permeability for shales. In general, intrinsic
permeability of matrix system is several orders of magnitude lower
than that of fracture system in fractured media such as coals and
shales (Han et al., 2010; Ghanizadeh et al., 2015). In this case, mass
transfer between fractures and matrix is a dynamic process. The
importance of these interactions for intrinsic permeability has been
illustrated for coal reservoirs (Harpalani and Chen, 1997; Liu and
Rutqvist, 2010; Liu et al., 2011; Peng et al., 2014a). To incorporate
this impact on intrinsic permeability, several numerical simulation
models for coal have been proposed (Wu et al., 2010; Peng et al.,
2014b).

Gas flow regimes in shales significantly affect mass transfer thus
it affects intrinsic permeability change and in return, a change in
intrinsic permeability will also significantly influence gas flow be-
haviours in different flow regions. Traditional multi-scale models
for shale gas flow only consider complex gas flow regimes. Intrinsic
permeability models rarely consider characteristics of gas flow in
shales. To fully represent gas flow in shales, considering the mutual
influence of flow regimes and intrinsic permeability would
improve gas production prediction. In this paper, a multi-scale
numerical simulation model with mutual influence was proposed.
To achieve this, several gas flow equations of different flow regimes
as well as intrinsic permeability model were developed and
coupled with a deformation equation controlling deformation of
shale reservoir included. Using experimental data, the intrinsic
permeability model was first verified. Then, behaviours of gas flow
and apparent permeability in shales during shale gas production
were studied. Finally, impacts of several key factors on shale gas
production were analysed.

2. Conceptual model

2.1. Multi-scale model

Due to the diversity in minerals and wide range of pore sizes in
shales, the gas flow in shales is a combination of different con-
trolling processes as shown in Fig. 1. Once gas production com-
mences, flow behaviours in pores with different sizes occur
differently: (a) the gas initially adsorbed on the surfaces of kerogen
(or clay minerals) pores desorbs almost immediately; (b) gas dif-
fuses from organic pores into inorganic pores; (c) gas in inorganic
pores flows into natural fractures; (d) gas in natural fractures flows
into hydraulic fractures then to production well. According to the
Knudsen number, these gas flow behaviours in reservoir can be
described in several flow regimes: (a) gas flow regime in kerogen is
diffusion; (b) gas flow regime in inorganic pores networks is slip
flow; and (c) gas flow regime in natural fractures is Darcy flow
(Javadpour et al., 2007).

In shales, these flow regimes sequentially dominate shale gas
f shale gas transport under the influence of fully coupled multiple
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Fig. 1. Gas flow pattern in shales (modified from Javadpour et al., 2007).
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production, which is different from gas flow in other porous media.
Fig. 2 shows the comparison in experimental observation of gas
release between coals and shales (Javadpour et al., 2007). The gas
flow in coal has one dominated flow regimes but the gas flow in
shale experiences different dominated flow regimes (shown as A, B,
C and D in Fig. 2(b)). These curves named as A, B, C and D represent
probability densities of corresponding flow regimes. Time spans of
these curves are different. It indicates that these flow regimes occur
at different time and sequentially dominate in the process of shale
gas release. Therefore, the single-porosity model representing only
one dominated flow regime is not proper therefore the multi-scale
model is required in the numerical simulation of shale gas
production.

The structure of multi-scale model with three modules in this
study is shown in Fig. 3. The first module represents desorption and
diffusion in kerogen and it covers processes (a) and (b) shown in
Fig. 1. These two processes can be represented together because
desorption in kerogen can be considered instantaneous and it is a
function of pressure in kerogen. In this study, desorbed gas is
treated as a source of diffusion in kerogen. The second module
Fig. 2. Comparison of gas release between coalbed me
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represents slip flow in inorganic pores and it covers process (c)
shown in Fig. 1. The third module represents Darcy flow in natural
fractures and it covers process (d) shown in Fig. 1. These modules
are linked by mass transfer terms.
2.2. Effects of microscopic structure on apparent permeability

For multi-scale models, different flow regimes have different
mathematical forms for flow velocity. In order to use the Darcy-
type equation to present other non-Darcy flows, the common
method is to introduce a variable, the apparent permeability (kapp),
into corresponding velocity expressions. The apparent permeability
is the result of intrinsic permeability (k∞) and correlation coeffi-
cient (kg):

kapp ¼ k∞kg (1)

The correlation coefficient depends on flow regimes and the
intrinsic permeability is determined by apertures of pores. With gas
depletion, gas pressure in shales decreases, leading to changes in
pore size (Chen et al., 2015) and thus intrinsic permeability
thane and shale gas (from Javadpour et al., 2007).

f shale gas transport under the influence of fully coupled multiple
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Fig. 3. Illustration of Structure of Multi-Scale Simulation Model in this Study.
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changes. Characteristics of pore deformations in shales can be
illustrated by a two-step process shown in Fig. 4: (1) Global strain
as shown in Fig. 4(b). When gas is produced from reservoirs, the
shale as a whole will deform and pores will shrink because of the
increase in effective stress; (2) Local strain as shown in Fig. 4(c). It is
resulted from interactions between different pore systems. Flow
capacities of different pore systems (organic pores in kerogen,
inorganic pores and natural fractures) are quite different. This may
cause different dynamic changes in pressures of these pore sys-
tems. The pressure difference between them can induce further
deformations of these pores. If the pressure in natural fracture is
less than the pressures in inorganic pores and organic pores, the
matrix block containing inorganic pores and kerogen would swell
and the openings of the natural fractures would further decease.
Furthermore, gas-rock interactions are correspondingly different
with different minerals and this difference also induces different
deformations among different pore systems. For kerogen and clay
minerals, gas adsorbs to them, which leads to adsorption-induced
strain (Chen et al., 2015). For other minerals, the adsorption-
induced strain is negligible.

Multiple flow regimes coexist in shales and their intrinsic
permeability changes differently. To properly cover all effects of
microscopic structure on shale gas production, numerical simula-
tion model should include gas flow equations to represent different
gas flow regimes, a deformation equation to represent geo-
mechanical behaviour of shale sediments, and, an equation to
represent adsorption-induced strain as well as proper apparent
permeability models. In the following section, the fully coupled
simulation model for shale gas transport was proposed and intro-
duced from these aspects.
3. Formulation of the conceptual model

3.1. Governing equation of the mechanical process

For dual porosity media, the mechanical process is described by
the equation of motion for the mixture of matrix and fractures. On
the basis of poroelasticity and by making an analogy between
thermal contraction and adsorption-induced swelling, the equation
of motion for dual porosity media is (Wu et al., 2010):
Fig. 4. Illustration of Deformation Behaviour of Pores in Shales (Pke is gas pressure in keroge
rectangle represents original configuration of pores; Solid rectangle represents configuratio
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Gui;kk þ
G

1� 2v
uk;ki � af pf ;i � ampm;i � εs;i þ fi ¼ 0 (2)

where G¼ E/2(1þ v),K¼ E/3(1�2v), af and am are Biot's coefficients
for dual porosity media, G is the shear modulus of rock, E is the
Young's modulus of rock, v is Poisson's ratio of rock, K is the bulk
modulus of shales, pf is the natural fracture pressure, pm is the
matrix pressure, εs is the gas sorption-induced strain, and f is the
body force of shales, u is the displacement.

Shale is a multi-porosity medium which contains natural frac-
tures, inorganic pores, kerogen pores. Each component contributes
to themechanical deformation of shales. Similar to the deformation
equation for dual porosity media (Eq. (2)), the deformation equa-
tion for the shale is:

Gui;kk þ
G

1� 2v
uk;ki � af pf ;i � anapna;i � akepke;i � εs;iðpkeÞ þ fi

¼ 0

(3)

where af, ana and ake are Biot's coefficients for shales, inorganic
pores and kerogen, respectively, pf is the natural fracture pressure,
pna is the inorganic pores pressure, pke is the kerogen pressure, εs is
the gas sorption-induced strain of kerogen and it is a function of pke
because that the adsorption only occurs in kerogen in shales.

From this equation, the shale volumetric strain (εv) can be
calculated:

εv ¼ ε11 þ ε22 þ ε33 (4)

where ε11, ε22 and ε33 are three principal strains.
In this study, the sorption-induced strain for kerogen can be

assumed to be Langmuir equation like as demonstrated by the
experimental measurement of methane adsorption induced shale
swelling (Chen et al., 2015):

εs ¼ εLpke
PL þ pke

(5)

where εL is the Langmuir strain constant, PL is Langmuir pressure
constant for strain.
n bulks; Pna is gas pressure in nanopores; Pf is gas pressure in natural fractures; Dashed
n of pores after deformation).

f shale gas transport under the influence of fully coupled multiple
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3.2. Governing equations of gas flow in natural fracture networks

The gas flow regime in natural fracture networks is Darcy flow
and the gas in natural fractures is in free gas phase form. The gas
mass can be thus expressed by:

m ¼ ff r (6)

where r is the free-phase gas density at fracture pressure, and ff is
fracture porosity.

Applying the mass conservation law and Darcy velocity to the
gas phase, it gives:

vm
vt

þ V$

�
� kf

m
rVpf

�
¼ Qf�na (7)

Substituting Eq. (6) into Eq. (7), the final governing equation of
gas flow in the natural fracture networks is obtained:

pf
vff

vt
þ ff

vpf
vt

þ
�
� kf

m
pfVpf

�
¼ Qf�na (8)

where kf is the natural fracture permeability, m is viscosity and Qf-na

is the mass transport rate between natural fractures and inorganic
pores networks.
3.3. Governing equations of gas flow in inorganic pores

The gas flow regime in inorganic pores is Slip flow and the gas in
inorganic pores networks is free gas phase form. The gas mass can
be thus expressed by:

m ¼ fnar (9)

where r is the free-phase gas density at inorganic pore pressure,
and fna is inorganic pores porosity.

Applying the mass conservation law, it gives:

vm
vt

þ V$
�
ruslip

�
¼ �Qf�na þ Qna�ke (10)

The velocity of Slip flow for shale gas is (Javadpour, 2009):

uslip ¼ �F
kna
m
Vpna (11)

F ¼ 1þ
�
8pRT
M

�0:5
m

pnarna

�
2
a
� 1
�

(12)

where F is the correlation coefficient, kna is the intrinsic perme-
ability of inorganic pores. R is the gas constant, T is the temperature,
M is the molecular mass of the gas, rna is the radius of inorganic
pores, a is the tangential momentum accommodation coefficient
and its value varies in a range from 0 to 1.

Substituting Eqs. (11) and (12) into Eq. (10), it obtains the gov-
erning equation of gas flow in the inorganic pores networks:

fna
vpna
vt

þ V

�
� F

kna
m

pnaVpna

�
¼ �Qf�na þ Qna�ke (13)

where Qna-ke is the mass transport rate between inorganic pores
networks and kerogen.
3.4. Gas flow in kerogen

The gas in kerogen exists in both free gas phase and adsorbed
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phase forms. The gas mass can be thus expressed by:

m ¼ fkerþ rad (14)

Assuming the density of adsorbed gas is subject to the Langmuir
isotherm:

rad ¼ rgars
VLpke

PL þ pke
(15)

The kerogen is one component of matrix blocks. It is assumed
that kerogen connect to inorganic pores. In this case, the gas in
kerogen serves as a mass source of the gas flow in the inorganic
pores system. The spatial gas transport in kerogen is negligible
because kerogen is discretely distributed in shales. Therefore, the
gas mass change in kerogen equals to gas mass transfer between
kerogen and inorganic pores. Applying the mass conservation law,
it gives:

vm
vt

¼ �Qna�ke (16)

Substituting Eqs. (14) and (15) into Eq. (16), the governing
equation of gas flow in the kerogen can be obtained:

fke
vr

vt
þ rgars

VLPL
ðPL þ pkeÞ2

vpke
vt

¼ �Qna�ke (17)

where r is the free-phase gas density at kerogen pressure, rad is the
density of adsorbed-phase gas, fke is inorganic pores porosity, and
VL and PL are Langmuir constants, rs is the shale density and rga is
gas density at atmosphere pressure.
3.5. Governing equation of mass transfer

The transport scheme is assumed as a pseudo steady-state so
the rate of mass transfer is proportional to the pressure difference
between these two systems (Ranjbar and Hassanzadeh, 2011). For
the Darcy flow, the general mass transfer equation is:

q ¼ sk
m
r
�
pm � pf

�
(18)

where s is the shape factor, k is the permeability, m is the viscosity,
pm is the matrix pressure, and pf is the fracture pressure.
3.5.1. Mass transfer between natural fractures and inorganic pore
network

Between natural fractures and inorganic pore networks, the
inorganic pore networks have lower flow capacity. The mass
transfer rate between them is controlled by gas flow in inorganic
pores networks. In this case, flow mechanism of mass transfer is
Slip flow. The difference between Slip flow and Darcy flow is in the
apparent permeability, so the above mass transfer equation (Eq.
(18)) can be applied to this situation with change on apparent
permeability only:

Qf�na ¼ sna
kslip
m

r
�
pna � pf

�
¼ snaF

kna
m

r
�
pna � pf

�
(19)

sna ¼ 12
L2m

(20)

where Lm is spacing of natural fractures and sna is the shape factor
of inorganic pore networks.
f shale gas transport under the influence of fully coupled multiple
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3.5.2. Mass transfer between inorganic pores networks and kerogen
Compared with inorganic pore networks, kerogen has the lower

flow capacity. It means that the mass transfer rate between inor-
ganic pore networks and kerogen is controlled by diffusion. The
driving force of diffusion is the gas concentration difference. In this
case, the molar transfer rate depends on the concentration differ-
ence between these two pore systems:

Qcon ¼ skeDkfkeðCke � CnaÞ (21)

where Dk is the diffusivity. For the free gas, the concentration of gas
has a linear relationship with its density. Multiplying the molar
mass, the above equation of molar transfer rate can be converted to
the mass transfer rate:

Qna�ke ¼ QconM ¼ skeDkfkeðrke � rnaÞ (22)

ske ¼
12
L2ke

(23)

where Lke is the spacing of inorganic pores,M is the molar mass and
ske is the shape factor of kerogen.
3.6. Final formulation of governing equation

According to the ideal gas law, the gas density is:

r ¼ M
RT

p (24)

where M is molecular mass, T is temperature and R is universal
constant. Substituting Eqs. (19), (22) and (24) into Eqs. (8), (13) and
(17), final governing equations of gas flow in shales are:

(a) Gas Flow in Natural Fractures:

ff
vpf
vt

þ V

�
� kf

m
pfVpf

�
¼ snaF

kna
m

pna
�
pna � pf

�
(25)
(b) Gas Flow in Inorganic pores Networks:

fna
vpna
vt

þ V

�
� F

kna
m

pnaVpna

�
¼ snaF

kna
m

pna
�
pf � pna

�

þ skefkeDkðpke � pnaÞ (26)

(c) Gas Flow in kerogen:

 
fke þ pgars

VLPL
ðP þ p Þ2

!
vpke
vt

¼ skeDkfkeðpna � pkeÞ (27)

L ke

(d) Deformation of shales:

Gui;kk þ
G

1� 2v
uk;ki � af pf ;i � anapna;i � akepke;i � εs;iðpkeÞ þ fi ¼ 0
(28)
3.7. Intrinsic permeability model

As discussed earlier, apertures of natural fractures and inorganic
pores are varying with pressure depletion of shale reservoir. Since
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shale is a multi-porosity medium, our previous concept of global
and local strain (Peng et al., 2014b) for dual-porosity medium is
introduced and further developed into this study.

The intrinsic permeability can be described as function of
effective strain (Liu et al., 2011):

k
k0

¼
�
f

f0

�3
¼
�
1þ 1

f0
Dεe

�3
(29)

For natural fractures, the effective strain is (Peng et al., 2014b):

Dεfe ¼ Dεv � Dεfl ¼ Dεv þ
Dpf � anaDpna � akeDpke

Kna
� DεsðpkeÞ

(30)

where εv is the volumetric strain, εfl is the local strain of natural
fractures which contain two items. The first item represents the
compressive strain of matrix containing inorganic pores. The sec-
ond item represents the adsorbed-strain in kerogen. The local
strain represents interactions between microscopic systems in
shales. Kna is the bulk modulus of inorganic matrix part.

For inorganic pores, the effective strain is (Peng et al., 2014b):

Dεnae ¼ Dεv �
Dpf � anaDpna � akeDpke

Kna
þ Dpna � akeDpke

Kke

(31)

where Kke is the bulk modulus of kerogen. The last two terms
represent interactions between microscopic structures in shales.
Substituting Eq. (30) into Eq. (29), the porosity and intrinsic
permeability models for natural fractures can be obtained:

ff

ff0
¼
 
1þ 1

ff0

�
Dεv þ

Dpf � anaDpna � akeDpke
Kna

� DεsðpkeÞ
�!

(32)

kf
kf0

¼
 
1þ 1

ff0

�
Dεv þ

Dpf � anaDpna � akeDpke
Kna

� DεsðpkeÞ
�!3

(33)

Substituting Eq. (31) into Eq. (29), the porosity and intrinsic
permeability models for inorganic pores are:

fna

fna0
¼
�
1þ 1

fna0

�
Dεv �

Dpf � anaDpna � akeDpke
Kna

þ Dpna � akeDpke
Kke

��
(34)

kna
kna0

¼
�
1þ 1

fna0

�
Dεv�

Dpf�anaDpna�akeDpke
Kna

þDpna�akeDpke
Kke

��3

(35)
4. Model verification against experimental observations

Recently, experimental work on the evolution of shale perme-
ability with effective stress has been widely reported (e.g.
Ghanizadeh et al., 2015; Heller et al., 2014; Tinni et al., 2012). Plug
samples containing fractures were used in these experiments. It
was believed that the measured permeability from these samples is
the fracture permeability in our model. In laboratory, the matrix
permeability can be measured using crushed samples. However,
crushed samples may also contain micro-fractures (Ghanizadeh
f shale gas transport under the influence of fully coupled multiple
dx.doi.org/10.1016/j.jngse.2015.09.031



Table 1
Input parameters for verifying simulations for experiments conducted by Ghani-
zadeh et al.

Sample f0 (%) E (GPa) v (�) rc (kg/m3)

1 0.2 60 0.2 2500
2 0.15 60 0.2 2500
3 0.1 60 0.2 2500

Table 2
Input parameters for verifying simulations for experiments conducted by Heller
et al.

Pore pressure (psi) f0 (%) E (GPa) v (�) rc (kg/m3)

250 0.3 55 0.3 2500
500 0.28 55 0.3 2500
1000 0.26 55 0.3 2500
2000 0.25 55 0.3 2500
3000 0.25 55 0.3 2500
4000 0.25 55 0.3 2500
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et al., 2015; Tinni et al., 2012). Therefore, the true matrix perme-
ability data were not valid in these researches. In addition, the
effective stress is difficult, if not impossible, to be applied on
crushed samples. . Therefore, these experimental data only allow
verifying the intrinsic natural fracture permeability model.

In the experiments, the boundary condition of plug samples is
confining pressure (scon) which is simplified as shown Fig. 5 (a).
Because of the symmetry, the 3-D shale sample shown in Fig. 5 (a)
could be represented by the 2-D model shown in Fig. 5 (b). The
relationship of 2-D model geometry with 3-D geometry is illus-
trated as the red plane in Fig. 5 (a). In addition, the porosity of
natural fracture is less than 0.5% (Wang and Reed, 2009). Young's
modulus decreases with content of clayþ kerogen and it has awide
range from 5.5 to 86 GPa (Sone and Zoback, 2013). The input pa-
rameters for verifying the model are listed in Tables 1 and 2.

The comparison between experimental data and simulation
data is shown as Fig. 6. The lines are model results. It is obvious that
the model can represent the experimental data very well. Other
models of intrinsic permeability for shales have been proposed by
fitting experimental data (e.g. Kwon et al., 2001; Dong et al., 2010;
Petunin et al., 2011; Tinni et al., 2012). Compared with those
models, this model has a clearer physical meaning: the intrinsic
permeability is a result of the difference between volumetric strain
of shale sediments and local strain of pores. Moreover, this model is
derived from poroelastic theory so it can be applied to any me-
chanical boundary conditions.
5. Investigation of effect of pore structure on shale gas
production

In order to investigate effects of pore structure on shale gas
production, a simulation model was constructed as shown in
Fig. 7(b). Due to the symmetry of hydraulic fracture networks, a
quarter of the overall area between two hydraulic fractures, illus-
trated as the red rectangle in Fig. 7(a), was selected. The height of
the reservoir model is half length of hydraulic fractures, and the
width is the half hydraulic fractures spacing. The mechanical con-
dition of shale deformation is uniaxial strain. The overburden stress
is applied at the top boundary and kept constant. The boundary
conditions of gas flow are: (1) for natural fractures and inorganic
pore networks, the pressure, which represents the pressure in hy-
draulic fractures, is applied at the right boundary; no flowcondition
Fig. 5. Illustration of Geometry in numerical simulations.
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is applied at other boundaries; (2) For the kerogen, no flow con-
dition is applied at all boundaries because gas in kerogen is
assumed to only flow into other two pore systems (natural fractures
and inorganic pores networks). The initial pressure is P0. Input
parameters for shales are listed in Table 3. Theywere collected from
literatures (Chen et al., 2015; Pan and Connell, 2015; Sone and
Zoback, 2013; Wang and Reed, 2009). In this study, a time-
dependent pressure was applied to the hydraulic fracture to
simulate the pressure change during production:

phy ¼ P0 � Dp
�
1� e�t=td

�
(36)

where phy is pressure in the hydraulic fracture, t is time, P0 is the
initial pressure of reservoir, Dp is the pressure drop between initial
pressure and the final pressure of reservoir, td is the characteristic
time to control pressure drop. It is noted that this pressure
behaviour, described in Eq. (36) and plotted in Fig. 8, is only hy-
pothetical and in reality, the pressure in the fracture is impacted by
the reservoir flow behaviour as well as the well operating condi-
tions. Nevertheless, since this is sensitivity analysis of gas produc-
tion to the key reservoir parameters, using this hydraulic fracture
pressure curve is appropriate as it is kept the same for all the
simulation cases.

5.1. Gas flow sequence

Evolutions of pressures in natural fracture, inorganic pores and
organic pores at the point 0.2 m away from hydraulic fracture are
shown in Fig. 9. Initially, pressures in all three pore systems are all
equal to the initial pressure. When the production commences,
they start to decline. Due to the difference in flow capacity for
different pore systems, the pressures decline with different mag-
nitudes. Gas in natural fracture is easy to flows into hydraulic
fractures and its pressure declines most quickly. Compared with
natural fractures, the inorganic pores network has a lower flow
capacity, so the evolution of its pressure lags behind that in natural
fractures. Among these three flow regimes, the diffusion is most
difficult to occur so its pressure is the highest during the produc-
tion. After 100 days, the pressure in the inorganic pore network is a
slightly higher than the pressure in natural fracture. It is mainly
resulted from the permeability variation. During the gas produc-
tion, natural fracture permeability decreases. When it decreases to
a the extent that the flow capacity of natural fracture is less than
that of inorganic pore network, the gas flow in inorganic pore
f shale gas transport under the influence of fully coupled multiple
dx.doi.org/10.1016/j.jngse.2015.09.031



Fig. 6. Comparison between experimental data and simulation data.

Fig. 7. Simulation model of shale gas flow into hydraulic fractures.
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network would be a production rate dominating factor. In this case,
the pressure drop in inorganic pore network would exceed that in
the natural fractures.

Fig. 9 also presents the sequential flow process in shale gas flow.
Please cite this article in press as: Peng, Y., et al., A sequential model o
processes, Journal of Natural Gas Science and Engineering (2015), http://
This process is consistent with experimental observation by
Javadpour et al. (2007): Flows in natural fractures and inorganic
pores occur first (stage A and B in Fig. 2). The flow in natural frac-
ture networks is the faster one and it dominates gas flow in the
f shale gas transport under the influence of fully coupled multiple
dx.doi.org/10.1016/j.jngse.2015.09.031



Table 3
Input parameters.

Symbol Value Physical meanings Unit

E 20 Young's modulus of Shale GPa
v 0.3 Poisson's ratio of Shale e

m 1.3 � 10�5 Viscosity Pa s
fna0 4 Initial inorganic pores porosity %
ff0 0.1 Initial natural fracture porosity %
fke0 1 Initial natural kerogen porosity %
kna0 1 � 10�21 Initial inorganic pores permeability m2

kf0 1 � 10�19 Initial natural fracture permeability m2

rna 20 Radius of inorganic pores nm
a 0.5 tangential momentum accommodation coefficient e

Lm 1 Spacing of natural fractures m
Lke 0.5 Spacing of matrix blocks m
Dk 1 � 10�10 Diffusivity in kerogen m/s
M 0.016 Molecular mass kg/mol
R 8.314 Universal gas constant J/mol/K
T 350 Temperature K
P0 40 Initial pressure MPa
PL 10 Langmuir pressure constant of Methane MPa
Pover 40 Overburden pressure MPa
εL 0.0005 Langmuir strain constant of Methane e

rs 2500 Shale density kg/m3

Pa 0.1 Atmosphere pressure MPa
af 0.67 Biot coefficient of shales e

ana 0.67 Biot coefficient of matrix blocks with inorganic pores e

ake 0.67 Biot coefficient of kerogen e

h 50 Thickness of reservoir m
l 30 Number of stimulated stages by hydraulic fracking in whole reservoir e

VL 0.002 Langmuir volume constant of Methane m3/kg
Dp 35 Pressure drop of reservoir MPa
td 1.25 � 106 Characteristic time of pressure drop 1/s

Fig. 8. Curve of pressure at hydraulic fracture boundary.
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early stage of production. Following that, gas flow in inorganic
pores dominates production; the diffusion and desorption (stage C
and D in Fig. 2) occur the latest. Due to this sequential flow process,
a wide variation in pressure between different pore systems is
created as shown in Fig. 9. In this case, using only one single
pressure to calculate permeability evolution is improper because,
single-porosity model (only one pressure can be solved) cannot
describe the different pressures in different pore systems.
5.2. Permeability evolutions

Permeability has a close relationship with pressures in shales.
Fig. 10 shows the evolution of natural fracture permeability with
natural fracture pressure. With depletion of gas, the natural frac-
ture permeability declines sharply. Fig. 11 illustrates the evolution
of the apparent permeability of inorganic pore system, its intrinsic
Please cite this article in press as: Peng, Y., et al., A sequential model o
processes, Journal of Natural Gas Science and Engineering (2015), http://
permeability and correlation coefficient. During the gas depletion,
intrinsic permeability of inorganic pores declines like natural
fracture permeability and then increase slightly at lower pressure.
From Fig. 9, when inorganic pores pressure reaches around 15 MPa,
the pressure in organic pores of the kerogen starts to decrease. It
triggers interactions between organic pores and inorganic pores,
leading to increase of the intrinsic permeability. Correlation coef-
ficient is mainly controlled by shale gas state and it increases with
gas pressure decline. The apparent permeability is the resultant of
these two (Eq. (1)). For parameters of this study, the intrinsic
permeability dominates the apparent permeability.

The effect of deformation on inorganic pore permeability has
not been introduced into simulations. For some simulations (e.g.
Akkutlu and Fathi, 2012; Ding et al., 2014; Javadpour et al., 2007),
f shale gas transport under the influence of fully coupled multiple
dx.doi.org/10.1016/j.jngse.2015.09.031
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the apparent permeability of inorganic pores is controlled only by
correlation coefficient. They suggested that the apparent perme-
ability of inorganic pores increases during gas production. From
Fig. 11, it can be clearly seen that the large error would occur by this
assumption at the similar condition as in this study. If the geo-
mechanical effect was considered, the apparent permeability could
decrease instead of increase. For other simulations (e.g. Civan et al.,
2011), the effect of geomechanical deformation on intrinsic
permeability was introduced while effects of boundary condition
on intrinsic permeability were ignored. Boundary conditions of
rocks strongly affect effective stress so these models cannot be used
for both experiments and fields where boundary conditions are
different. In addition, these experiments only considered one flow
regime in shales so these models (e.g. Raghavan and Chin, 2002;
Dong et al., 2010) relate to only one kind of pore pressure. It fails
to consider the effect of coexistence of several flow regimes on
intrinsic permeability. The model developed in this paper used the
relationship of intrinsic permeability with effective strain. The
effective strain for different boundary conditions can be calculated
by the equation of motion for the shale (Eq. (3)). The intrinsic
permeability model is therefore valid under any boundary condi-
tion. Furthermore, the permeability models in this paper consider
effects of mass transfer between different pore systems as well as
adsorption-induced strain.
5.3. Effect of deformation

The effect of deformation on shale gas production is often
ignored and therefore the characteristic of permeability variation
from the shale deformation cannot be described for shale gas
production. In this section, the importance of deformation effect on
shale gas production is investigated. To achieve it, comparison
between two simulations was conducted: one is fully coupled
simulation and the other one ignores the deformation of shale. All
parameters in the two simulation cases are the same as shown in
Table 3. In the simulation without deformation, intrinsic perme-
abilities for natural fractures and inorganic pores networks are kept
constant during gas production. For the fully coupled simulation,
intrinsic permeabilities change similarly to that shown in Figs. 10
and 11.

In this paper, the gas in inorganic pore networks and natural
fractures were both allowed to flow into hydraulic fractures. The
production rate is the summation of these two flow rates. Fig. 12 (a)
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shows the evolutions of total production rate, rate contributed by
gas flow from natural fracture and that contributed by gas flow
from inorganic pores. Fig. 12 (b) shows the rates for a case without
reservoir deformation. In the fully coupled simulation, the gas flow
from natural fractures dominates the production rate before 20
days. After that, the gas flow from inorganic pores networks
dominates. Compared to the case with reservoir deformation, the
gas flow from natural fractures always dominates the shale gas
production rate for the case without reservoir deformation. The gas
flow rate from inorganic pore network is two orders of magnitude
lower than that fromnatural fracture. Even if the porosity of natural
fracture is only one fortieth of porosity of the inorganic pore net-
works, it still provides an efficient flow path for gas due to its large
pore size and high permeability. However, if reservoir deformation
was considered, natural fractures were narrowed during gas
depletion. When it declines to the extent that makes its flow ca-
pacity less than that of inorganic pore network, the gas flow in
inorganic pore networks starts to be the main flow path for shale
gas production.

Because of this huge difference in production rate between
these two scenarios, the recovery efficiencies of shale gas for these
two scenarios are also different. The recovery efficiency is the ratio
of the amount of produced shale gas to the initial gas in place. As
shown in Fig. 13, if the deformation effect was not considered, the
recovery efficiency is predicted at 75% after 30 years of production
while it is only 29% when the deformation effect was considered.
This huge difference is resulted from the difference in apparent
permeability change in the different pore systems. From this
comparison, it is apparent that the deformationwould significantly
affect shale gas production behaviour.

5.4. Importance of natural fracture

Although the flow in natural fracture near the hydraulic fracture
only affects production at early production stage, the flow in nat-
ural fracture inside reservoir plays an important role in the long
term gas transport. Fig. 14 illustrates the gas velocity at a point 6 m
away from the hydraulic fracture. The gas velocity in the natural
fracture is two orders of magnitudes higher than that in inorganic
pores. It demonstrates that the natural fracture is the main flow
path for shale gas far away from hydraulic fractures and it can
enhance efficiency of gas transport from inside reservoir to hy-
draulic fracture. In addition, Fig. 15 shows the evolutions of
f shale gas transport under the influence of fully coupled multiple
dx.doi.org/10.1016/j.jngse.2015.09.031
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recovery efficiencies for the two scenarios: one considers the gas
flow in natural fractures and the other does not. The recovery ef-
ficiency for the scenario with flow in natural fracture is 29% while
that for the other scenario is only 12.3%. The flow in natural fracture
enhances the recovery efficiency over 2 times. Although natural
fracture only accounts for small proportion of flow path in reser-
voirs (its porosity is only 0.1% which is one-fortieth of porosity of
inorganic pores), it plays a much more important role in gas
transport inside reservoirs and enhancement of shale gas
production.

5.5. Sensitivity analysis

In this model, many parameters strongly affect shale gas pro-
duction. The analysis of their effects on shale gas production is
valuable for production designs and managements. In this section,
effects of natural fracture permeability (kf), natural fracture
porosity (ff), intrinsic permeability of inorganic pores (kna), Young's
modulus of shales (E) and the ratio of adsorbed gas to total gas (b)
were investigated. The definition of b is:

b ¼ mad

mt
¼ Vrad

Vrt
¼

parcVL
PLþP0

ff þ fna þ fke þ parcVL
PLþP0

(37)

wheremad is the mass of adsorbed gas at the initial condition,mt is
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Table 4
Values of VL and b

VL (m3/kg) b (%)

0.002 16
0.004 28
0.01 50
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Fig. 16. Illustration of Effect of kf on Recovery Rate.
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the total mass of gas in reservoirs at the initial condition, V is the
reservoir volume, rad is the density of adsorbed gas in reservoirs, rt
is the total density of gas in reservoirs and it contains free-phase
gas in kerogen, inorganic pores and natural fractures, and adsor-
bed gas. For simplification, all parameters, except VL, are constant.
In this case, the value of b is controlled by VL. The value of VL and its
corresponding value of b are listed in Table 4. For the base case,
parameters in Table 3 were used. In the parameter sensitivity an-
alyses, only one parameter is changed at a time while the rest were
kept constant values same as the base case. Fig. 16 shows the effect
of kf on recovery efficiency. If the kf increases 1000 times, the re-
covery efficiency increases 2.5 times. Since natural fracture domi-
nates gas transport inside reservoirs, higher kf means higher flow
capacity to gas transport towards hydraulic fractures. Fig. 17 shows
the effect of ff on recovery efficiency. If the ff increases 5 times, the
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recovery efficiency increases 2.4 times. The recovery efficiency in-
creases with ff because the higher ff also provides more flow paths
to shale gas production. Fig. 18 illustrates effect of kna on recovery
efficiency. If the kna increases 1000 times, the recovery efficiency
increases 3.2 times. For parameters used in this study, the inorganic
pores network dominates the production rate so higher kna also
means higher flow capacity to shale gas production. Fig. 19 presents
effect of E on recovery rate. If the E increases 2.7 times, the recovery
efficiency increases 2.4 times. Young's Modulus represents the
geomechanical effect on shale gas production. The higher E means
that the shale is stiffer to deform so negative impact of deformation
on permeability variation reduces during gas depletion. In this case,
both the gas transport inside reservoirs and production rate will be
enhanced so the recovery efficiency increases with E. Fig. 20 shows
effect of the ratio of adsorbed gas (b) on recovery efficiency. It has a
negative linear relationship with recovery efficiency: increase of b
leads to the decrease of recovery efficiency. The adsorbed gas is the
most difficult proportion to be produced due to its low flow ca-
pacity. Its negative relationship with recovery efficiencymeans that
the more adsorbed gas in reservoir, the less amount of gas can be
released from reservoir.
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6. Conclusion

In this study, deformation effect on permeability variation was
introduced into a multi-scale numerical simulation model for shale
gas transport. The main advantages of the proposed model are: (1)
models of intrinsic permeability were built based on poroelastic
theory, allowing these models to be validly used under any
boundary condition; (2) interactions between different pore sys-
tems were considered to represent different behaviour of perme-
ability changes for different pore systems in shales. Using this
numerical simulation model, important factors in shale gas pro-
duction were analysed and the following main conclusions were
drawn:

(1) Deformation effect plays an important role in the apparent
permeability. Without deformation effect, the apparent
permeability increases during shale reservoir depletion.
Deformation can significantly reduce the magnitude of
apparent permeability increase or even make apparent
permeability decrease. It suggests that analysis conducted by
models without deformation effect would overestimate
shale gas production rate. In addition, because of interactions
between different pore systems, apparent permeability of
different pore systems behaves differently.

(2) Natural fracture plays significant role in gas transport in the
reservoir. Unlike the place near hydraulic fracture, the gas
velocity in natural fracture is much higher than that in
inorganic pores. It enhances the efficiency of gas transport
from reservoir to hydraulic fracture. It suggests that gas flow
in natural fracture should not be ignored in analysing shale
gas production and keeping natural fracture open and crea-
tion of natural fractures are important for shale gas
production.

(3) Natural fracture permeability, natural fracture porosity,
inorganic pores permeability and Young's modulus have a
positive relation with gas production. However, the per-
centage of adsorbed gas to total gas (b) has a negative rela-
tion with recovery rate of gas.
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